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l. Executive Summary

This report assesses the efficiency and competitiveness of New England’s wholesale electricity
markets during 2006. The current locational wholesale electricity markets began operation on
March 1, 2003 and were referred to as Standard Market Design (“SMD™). Since that time, 1SO-
NE has implemented operating reserves and other markets to satisfy the electricity requirements
of the New England region. These markets include:
e Day-ahead and real-time energy markets for the wholesale purchase and sale of
electricity;

e A market for Financial Transmission Rights (“FTRs”) that allow participants to hedge the
congestion costs associated with delivering power to a location that is constrained by the
limits of the transmission network.

e Forward and real-time operating reserves markets intended to ensure that sufficient
resources are available to produce electricity when a generator outage or other system
contingency occurs;

e A regulation market to procure the ability to instruct specially-equipped generators to
increase or decrease output on a moment-by-moment basis to keep supply and demand in
balance; and

e An installed capacity market that is intended to assure that the long-term market signals
result in efficient new investment and the maintenance of existing resources that are
needed to meet the reliability needs of the region.

These markets provide substantial benefits to the region by ensuring that the lowest cost supplies
are utilized to meet demand in the short-term and by establishing transparent, efficient price
signals that govern investment and retirement decisions in the long-term. Although it is difficult
to quantify some of these benefits, particularly the long-term benefits, they are considerable
because the markets coordinate the decisions and actions of numerous buyers and sellers of
electricity. Good coordination is essential due to the physical characteristics of electricity and
the transmission network used to deliver the electricity to customers. This coordination affects

not only the prices and costs of electricity, but also the reliability with which it is delivered.

The New England energy markets efficiently dispatch generation on the basis of supply offers to
satisfy energy demand and operating reserve requirements, while preventing power flows on the

network from exceeding transmission constraints. The markets establish locational marginal
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prices (“LMPs”) that reflect the marginal system cost of serving load at each location on the
network. When the market is functioning well, these prices provide transparent price signals that
facilitate efficient forward contracting and are a primary component of the long-term incentives

that guide generation and transmission investment and retirement decisions.

A. Introduction and Summary of Findings

In addition to providing a summary of market outcomes in 20086, this report includes findings in
two primary areas: the competitive performance of the market and the operational efficiency of

the markets. The findings in each of these areas are discussed below.

Competitive Performance of the Market

We analyzed the competitive performance of the overall market in New England, as well as a
number of constrained areas within the market. Based on the results of these analyses, we find
that the markets have performed competitively in 2006. We found little evidence that any
suppliers were either economically or physically withholding resources to raise prices in the
transmission-constrained areas or in the broader market. Although nominal prices for electricity
have been higher in recent years than they were historically, this is almost entirely attributable to
the substantial increase in fuel prices. Because fuel costs constitute the vast majority of the
marginal costs of producing electricity, increases in fuel costs will translate directly to increases

in offer prices and market clearing prices for electricity.

During eight hours on August 1 and 2, real-time energy prices rose to $1000/MWh. The
extraordinary prices resulted during record load conditions that caused significant shortages of
operating reserves in New England. We examined the conduct during this period particularly
closely and did not identify any concerns related to potential economic withholding of generating
resources. There was also no indication of physical withholding as forced outages and other
deratings were at relatively low levels during this period. However, we did find that inefficient
transmission flows between New York and New England contributed to the shortages on these

days. This report includes a recommendation for addressing this issue.

We also found that frequent supplemental commitment for local reliability has encouraged some

generators in constrained areas to raise offers above competitive levels (i.e., marginal cost).
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When local reliability requirements are satisfied outside the normal market process, the suppliers
are generally paid their offer price because the clearing price is usually not sufficient for them to
recover their full offer price (sometimes referred to as their “as-bid” cost). When suppliers are
paid their offer price rather than a clearing price, it changes their incentives to submit offers at
their marginal costs (i.e., it will have “pay-as-bid” incentives). Because they receive payments
equal to their offer price, generators that are frequently committed for local reliability have “pay-
as-bid” incentives. Even under perfect competition, suppliers with pay-as-bid incentives
rationally offer above their marginal cost to receive the full market value for their supply. For
this reason, it can be difficult to distinguish economic withholding from a competitive outcome
when suppliers have pay-as-bid incentives. Generators committed for local reliability
requirements often do not face meaningful competition to satisfy these requirements and,
therefore, market power can be a significant concern. In these cases, however, the market power

mitigation measures are designed to limit their ability to exercise market power.

Operational Efficiency of the Markets

In general, the day-ahead and real-time markets have operated efficiently in 2006 with prices that
reflected underlying market fundamentals. Electricity prices in New England have been strongly
correlated with changes in underlying fuel prices as one would expect in a well-functioning
market. To maintain reliability in the constrained areas, however, ISO-NE has continued to
commit substantial quantities of additional resources to supplement the market-based
commitments in the day-ahead market. This is an issue that is common to all electricity markets
and arises when the market requirements do not fully reflect the reliability needs of the system.
Additionally, the limited quantities of fast-start resources in these areas increase the need for
these commitments. Therefore, the ISO must commit larger, slower-starting steam and

combined-cycle generation to assure reliability and manage voltage in constrained areas.

This additional online supply in constrained areas substantially reduces the congestion into these
areas and generates significant supplemental charges to New England loads that are difficult for
them to hedge (we refer to these charges as “uplift charges”). Therefore, reducing the need for
these supplemental commitments should remain a high priority for ISO-NE. To that end, ISO-

NE made a number of changes in its market rules and worked with market participants to address
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the underlying reasons for the supplemental commitments. For example, in late 2004 and early
2005, the 1ISO worked with participants to install equipment and make other operational changes
to improve its ability to manage voltage in the NEMA/Boston area. These improvements
contributed to sharp reductions in supplemental commitments for voltage support in 2005 and
2006. Additionally, a significant decrease in the supplemental commitments in Boston in 2006
occurred as a result of ISO-NE entering a reliability agreement with a large supplier in the area.
The agreement stipulated that the supplier’s units be offered at marginal costs in the Day-Ahead
market. This generally caused them to be committed in the Day-Ahead market. Previously, they

had often been supplementally committed by ISO-NE after the Day-Ahead market.

ISO-NE made several major market enhancements in October 2006 under Phase Il of the ASM
project that should improve market operations. The most significant changes were the addition
of locational requirements to the forward reserve market and the introduction of reserve markets
with locational requirements that are co-optimized with energy in the real-time market.
Additionally, ISO-NE is implementing substantial changes to its installed capacity market,
moving to a forward capacity market (“FCM”) with locational requirements that would cause
capacity to be procured three years forward. This forward procurement is intended to facilitate
the entry of new generation, which generally requires at least three years to complete the
regulatory and construction processes to enter the market. The transition to this market has
begun and the first auction is scheduled to be held in February 2008 to meet the capacity

requirements beginning in June 2010.

These changes are expected to lead to at least three significant improvements. First, markets that
recognize the need for locational reserves are more consistent with the system’s operating
requirements. This should reduce the need for manual actions by the operators and, thereby,
lower the uplift costs associated with these actions. Second, these changes will address a
significant issue regarding the long-run economic signals in the New England markets — the lack
of economic signals that fully reflect the local reliability requirements in transmission-
constrained areas. The fact that significant reliability requirements are not priced within the New
England market framework causes the long-term economic signals in the key constrained areas

to be understated. The understated price signal, in turn, limits the entry of new resources that are
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needed, particularly fast-start units that are well-suited to provide operating reserves. Third, the
understated price signals have resulted in a heavy reliance on reliability agreements to ensure
that existing generation needed for reliability in the constrained areas remains in operation.
Reliability agreements are poor substitutes for efficient, transparent market prices and do little to
facilitate efficient investment in new generation and demand response resources over the long-

term.

The report contains some recommendation for potential improvements to the New England
markets. These recommendations generally involve modifications to certain operating
procedures and rules that should increase the efficiency of the New England markets. The
recommendations are described in the following sections along with a summary of the report’s

findings and conclusions in each area.

B. Energy Prices and Congestion

In 2006, electricity prices declined from the relatively high levels that prevailed from July 2005
through January 2006, which were driven by very high natural gas prices. The correlation
between natural gas prices and electricity prices is consistent with a well-performing market
given that: a) fuel costs constitute the vast majority of most generators’ marginal costs, and b)

natural gas-fired units are frequently on the margin (setting the market price) in New England.

In the majority of hours, demand was lower in 2006 than in 2005. However, several days of
extremely hot weather in early August increased load to a record peak in excess of 28 GW. This
led to eight hours of New England-wide reserve shortages on two days. Consistent with the
market rules, prices increased to $1000/MWh during the reserve shortage.

Congestion and Financial Transmission Rights

Under SMD, New England has experienced relatively little congestion in historically-constrained
areas, including the NEMA/Boston area and Connecticut. In fact, a large portion of the price
separation between net exporting regions and net importing regions has been due to transmission
losses rather than transmission congestion. For instance, 50 percent of the difference between
prices in Maine and NEMA/Boston was due to losses and 50 percent was due to congestion in
2006.
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While the overall level of congestion in the New England markets was low, congestion into the
Norwalk-Stamford load pocket continued to be significant during 2006. Day-ahead market
prices in the Norwalk-Stamford load pocket averaged approximately $22/MWh more than the
surrounding areas in Southwest Connecticut. Imports to the Norwalk-Stamford load pocket
accounted for approximately 60 percent of the net congestion revenues collected by the ISO from
the day-ahead and real-time markets in 2006.

The ISO operates annual and monthly markets for Financial Transmission Rights (“FTR?”).
These markets generally functioned well during 2006. The FTR prices determined in the annual
auction, which took place prior to 2006, modestly over-estimated the value of congestion in the
Day-Ahead market. However, the monthly auction prices were lower than the annual auction
prices, as market participants adjusted their expectations of congestion. The improvement
between the long-term auction and the shorter-term auctions is a positive indicator regarding the
liquidity and overall efficiency of the FTR market.

Day-Ahead to Real-Time Price Convergence and Virtual Trading

We evaluate price convergence at the New England Hub, which is broadly representative of
prices outside of transmission-constrained areas. Consistent with prior experience under SMD,
average prices in the day-ahead market were higher than average prices in the real-time market,
but the differential declined from $1.65/MWh in 2005 to $0.83/MWh in 2006. The persistent
difference is partly due to the fact that allocations of uplift for NCPC payments are higher when
load buys energy in the real-time market versus the day-ahead market. When the uplift
allocations are combined with energy prices to estimate a total cost of scheduled load, the
difference is reduced to $0.07/MWh in 2005 and $0.16/MWh in 2006. Hence, once we consider
the full cost to load serving entities of purchasing power, there is no significant difference

between average day-ahead and average real-time prices at the Hub.

Price convergence was better at the New England Hub than at the four import-constrained
locations in Boston and Connecticut. This condition can be attributed to the fact that unforeseen
market events can have a greater price impact in isolated areas. When the transmission system is
unconstrained, all buyers and sellers participate in a single, regional market. An unconstrained

system diminishes the price impact that individual events, such as generator outages, have in
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their immediate surroundings. However, in the presence of transmission congestion, such events
can have a much greater effect in a particular area. Boston provides an example of how a single
market event can affect convergence between day-ahead and real-time prices. On May 9", day-
ahead prices cleared below $150/MWh, but real-time prices rose to $900/MWh during the
afternoon and evening due to several large unit outages. If we exclude this 10-hour event,
Boston would have had a $0.36/MWh day-ahead price premium rather than a $0.50/MWh real-

time price premium.

Price convergence has a tendency to improve over time as market participants learn to form
better expectations regarding market events. For instance, Norwalk-Stamford began to
experience severe congestion on a frequent basis in 2005. As a result, LMPs in Norwalk-
Stamford were more volatile than other regions of New England. Because supplemental
commitment frequently occurs after the day-ahead market, the additional supply tends to reduce
real-time congestion. This pattern attracted virtual supply, but not in sufficient quantities to
bring full convergence. Because of the inherent difficulty of predicting the congestion, average
day-ahead prices were significantly higher than average real-time prices. In 2006, congestion
into Norwalk-Stamford continued and convergence improved substantially. The difference
between average day-ahead and real-time prices decreased from more than $10/MWh 2005 to
less than $4/MWh in 2006.

External Transactions and Price Convergence with New York

Our evaluation of the external transactions indicate that the market participants are not
effectively arbitraging the price differences between New York and New England by scheduling
transactions that modify the power flows between the markets. This is particularly important
during shortages or very high-priced periods because modest changes in the physical interchange

can substantially affect the market outcomes in both New England and New York.

This was demonstrated during the peak demand events on August 1% and 2™ when prices in New
England experienced sustained operating reserve shortages and prices as high as $1000 per MWh
in eight hours. New England exported significant amounts of power to New York even though

the clearing prices were higher on the New England side of the border by as much as $800/MWh

during much of this period. In all eight hours, ISO-NE made emergency purchases from the
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New York ISO. Had the interchange between the markets been optimized, it is likely that New

England would not have experienced a shortage in at least five of the eight hours.

On the basis of these results, we continue to recommend that the 1SO develop provisions to
better coordinate the physical interchange between New York and New England. These
provisions would facilitate a more seamless market in the Northeast, which would: ensure that
power is efficiently transmitted to the highest-value locations, achieve substantial economic
savings for customers in the region, and improve reliability. Some have argued that this
recommendation would constitute involving the 1SOs in the market. This is not the case. The
ISOs would be utilizing the bids and offers submitted by participants in each market to establish
the optimal interchange between the markets in the same way they do to establish the optimal

power flows across each transmission interface inside both markets.

C. Market Operations

This section covers a wide variety of areas related to the operation of the SMD markets,
including the market consequences of certain operating procedures and the scheduling actions of
participants.

Real-Time Commitment and Pricing of Fast-Start Resources

One key operational area that affects the performance of the market is the commitment of fast-
start resources in the real-time market and the effect of these resources on real-time prices. Fast-
start units are generally capable of starting from an offline status and ramping to their maximum
output within 10 minutes or 30 minutes of receiving an instruction. This enables them to provide
reserves while offline. Areas without significant quantities of fast-start generation must maintain
more of their reserves on online units, which can be very expensive. Since offline fast-start units
can be deployed very quickly, they are able to participate in the real-time energy market (i.e., the
real-time software will commit fast-start units). In making the decision to commit a fast-start
unit, the real-time market software takes into account both the commitment costs (start-up costs
and no-load costs) and the incremental energy costs. However, market clearing prices are always
set based only on suppliers’ incremental energy offers. Hence, the full cost of a decision to start
a fast-start unit may not be included in the real-time prices.
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Additionally, fast-start units may not always set energy prices when they are needed to satisfy
energy, operating reserves, or local reliability requirements. For both of these reasons, the real-
time prices will tend to be understated when fast-start resources are needed to manage congestion
into a constrained area or satisfy the New England demand for electricity more broadly. This

pricing issue has been identified previously in both New York and the Midwest ISO markets.

The real-time market deployed fast-start units in unconstrained areas in 4.6 percent of the
intervals in 2006. In more than 40 percent of these intervals, LMPs were lower than the full
costs of economic fast-start units — 35 percent lower on average. Inefficient market incentives
may result when real-time prices do not reflect the costs of deploying fast-start units. First,
understated real-time prices will reduce the incentives to fully schedule load through the day-
ahead market because the day-ahead prices will tend to be higher than the real-time prices if load
is fully scheduled day ahead. The consequences of under-scheduling day ahead are that fewer
slow-starting units will be committed and the market will rely more heavily on fast-starting
resources in real time to meet the incremental load. This pattern reduces the overall market

efficiency and increases the uplift costs borne by market participants.

Second, it does not provide a correct signal to participants that may import or export power to or
from New England. The understated prices in this case will likely lead to fewer net imports and
increase New England’s reliance on the fast-start resources. Finally, it diminishes the price
signals that govern new investment in the longer term. Hence, we recommend that the ISO
evaluate potential changes in the pricing methodology that would allow the deployment costs of

fast-start units to be more fully reflected in the real-time market prices.

Additionally, it diminishes the price signals that govern new investment in the longer-term.
Hence, we recommend that the 1SO evaluate potential changes in the pricing methodology that
would allow the deployment costs of fast-start units to be more fully reflected in the real-time
market prices.

Supplemental Commitment and Out-of Merit Dispatch

While there was a modest decline from 2005 to 2006 in the overall quantity of supplemental

commitment, the distribution of these commitments shifted from Boston to Lower Southeast
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Massachusetts. In Southeast Massachusetts, supplemental commitment increased due to changes
in fuel costs and offer patterns that caused units needed for local reliability to no longer be
economic. Hence, these units had to be supplementally committed more frequently in 2006 to
ensure reliable service to the Cape Cod area. In Boston, supplemental commitment declined for
two reasons. First, the ISO completed a series of transmission upgrades in 2005 addressing
voltage issues that previously required ISO-NE to make supplemental commitments in the area.
Second, 1ISO-NE entered into a reliability agreement with a large supplier in Boston with
requirements that caused the supplier’s units to generally be committed in the Day-Ahead
market. Previously, the supplier’s units had often been supplementally committed by ISO-NE
after the Day-Ahead market. The latter reduction will not likely be sustained because the

reliability agreement expired at the end of 2006.

Supplemental commitments also frequently result in a significant quantity of out-of-merit
dispatch, i.e., energy produced by resources whose energy offer prices are higher than the market
energy price. This occurs because once they are committed, online resources must be dispatched
at or above their minimum output parameter (“EcoMin’). These units cannot be shut down since
their capacity is needed to satisfy the local capacity requirement. Since out-of-merit resources
are treated as must-take resources (equivalent to assigning them a zero offer price) and are not
eligible to set LMPs when running at their EcoMin, they displace the marginal source of energy.
This results in lower prices in constrained areas and in the broader New England market as well.
Since most of the out-of-merit energy is produced from resources committed supplementally, the
changes in out-of-merit energy generally mirror changes in supplemental commitments. Hence,
the report finds that out-of-merit energy decreased slightly overall -- increasing in Lower

Southeast Massachusetts and decreasing sharply in Boston.

Supplemental commitments and out-of-merit energy dispatch create four issues in the New
England market.
e They can create inefficiencies in the commitment because supplemental commitments are

made with the objective of minimizing commitment costs (i.e., start-up, no-load, and
energy costs at EcoMin), rather than minimizing the overall production costs.

10
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e They tend to mute market signals to invest in areas that would benefit the most from
additional generation and transmission investment. They also diminish incentives to
develop demand response capability.

e They can create incentives for generators frequently committed for reliability to avoid
market-based commitment when they would be economic at the day-ahead LMP. This
can induce the 1SO to commit the resource in the Resource Adequacy Assessment
(“RAA”) process for local reliability where the generator is paid its offer price in the
form of NCPC.

e They cause a substantial amount of uplift costs, which are difficult for participants to
hedge and can be quite volatile. Some of the uplift is allocated in ways that create
inefficient incentives. The report discusses these allocations and recommends a re-
evaluation of them by ISO-NE.

ISO-NE implemented a major change in the market in 2006 that should improve its operational
performance. Under Phase Il of the Ancillary Services Market Project, the 1SO began to operate
a Real-Time Reserve Market and a Forward Reserve Market with locational requirements and
prices in October 2006. Due to the limited quantity of fast-start resources in the constrained
areas, a large portion of these reserves must be held by on-line resources. If additional fast-start
resources are added in these areas over the longer term, the frequency and quantity of
supplemental commitment would be substantially reduced. The reserve markets have improved
the economic signals for suppliers to provide reserves in Connecticut and Boston from fast-start
units and other low-cost reserve providers, although they have not resolved the supplemental

commitment issues in the short-term.

Price Corrections

Price corrections are frequently an indicator of implementation problems or software errors.
Since 2003, the year SMD markets were implemented, the rate of price correction has been very
low, generally less than 0.3 percent of the five-minute intervals. It is particularly notable that the
rate of price corrections remained low during the last three months of 2006 after the
implementation of real-time reserve markets. Real-time co-optimization of energy and reserves
required significant changes to the market software. Major software deployments often lead to
more frequent price corrections. These results support the conclusion that the real-time reserve
market development and deployment were well-managed and the SMD markets overall are

working well.
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Load Forecasting

Day-ahead load forecasting is an important determinant of efficient day-ahead commitment. The
accuracy of the 1ISO’s forecasts is important because the forecasts are a key input to the 1SO’s
reliability assessments, forecasted transmission limits, and supplemental commitment decisions.

They also provide information to market participants for their day-ahead scheduling and bidding.

The ISO’s load forecasting improved in the summer of 2006 compared with the previous
summer. The average error in forecasting the daily peak load in New England declined from 2.2
percent in 2005 to 1.8 percent in 2006. In both years, the forecasted load was higher on average

than actual load by 0.7 percent.

Day-ahead Transmission Limits

Imports into a given area are generally limited by the capacity of the transmission interfaces into
the area. Any load that cannot be served by imports must be served by local resources within the
transmission-constrained area. The forecasted transmission limits used in the day-ahead market
help determine the commitment of resources in these areas. Significant differences between the
day-ahead and real-time limits can reduce the market efficiency and increase costs. Our
evaluation in this area indicated that the limits used in the day-ahead market were systematically
lower than the real-time limits for the transmission interfaces into several key constrained areas
up until the fall of 2006. From September through December of 2006, the limits became more
consistent in the two markets, which indicates an operational improvement in the calculation of

these limits.

Additional Recommendations to Improve Market Operations

In order to further reduce the inefficiencies associated with supplemental commitments, we

recommend that the ISO:

e Consider integrating local reliability requirements currently used in the RAA process into
the day-ahead market commitment model. Solving the day-ahead market model with
these operating requirements would lead to a more efficient commitment and lower costs.
In response to this recommendation last year, the ISO has been undertaking an evaluation
of this potential change.;

e Re-evaluate the allocation of uplift costs associated with supplemental commitments for
local 1* contingencies, voltage support, and market-wide capacity needs. We
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recommend that these costs be allocated in a manner that reflects the causes of the costs
to the maximum extent possible. In the case of local 1% contingencies and voltage
support commitments, for example, this may result in a more targeted allocation to the
areas affected by the commitments. Such a change should improve participants’
incentives and the efficiency of market outcomes; and

e Consider rule changes to alleviate increased uplift costs and other market effects caused
when Participants self-commit generation after the RAA process.

D. Regulation Market

In this section of the report, we evaluate the new market for regulation that was implemented in
October 2005. Regulation expenses increased substantially after the new market was deployed.
The monthly costs of regulation peaked at $18.4 million for the month of December 2005 before
decreasing in 2006 to an average of $6.4 million per month. Some of the increase in late 2005
can be traced to market design elements and changes in the behavior of Regulation suppliers.
Other portions of the increase can be attributed to broader factors affecting New England’s

energy markets.

Regulation Market Design Changes
The new market adopts a model that minimizes consumer payments, rather than minimizing
system cost (as had been the objective of the prior market). The new market design also
incorporates “mileage” payments for responses to regulator instructions in addition to payments
for providing regulation capability and the opportunity cost of not selling energy. Lastly, the lost
opportunity cost payment under the new market is not reduced to account for net revenues the

supplier received from the regulation market.

To minimize the expected payments for regulation, the regulation selector chooses those
regulating units with the lowest “rank price”. The rank price for a generator is the sum of five
quantities: (1) estimated capacity payment, (2) estimated mileage payment, (3) estimated lost
opportunity cost payment, (4) estimated production cost change, and (5) the “look ahead
penalty.” The look ahead penalty was included in order to avoid selecting units that would earn
a large opportunity cost payment if they were to regulate into a range of energy offers priced at

extreme levels.
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Regulation Market Performance

We attributed the initial increase in costs following the introduction of the new market design in
late 2005 to a combination of factors. Because these factors were all occurring at the same time,
it is difficult to determine the relative contribution of each factor to the increased regulation

costs.

e Natural gas prices increased substantially and contributed to higher regulation cost.

e The mileage payment was added, but there was no corresponding adjustment in the offer
prices of regulation suppliers. Adding the mileage payment should have roughly doubled
the expected stream of payments associated with the RCP. This change was expected to,
but did not initially, lead suppliers to reduce their offer prices.

e There was a bias in the regulation selector that over-weights lost opportunity costs. The
effect of this redundant component was that the market would not always select the offers
that lead to the lowest estimated payments by consumers (the objective of the new
market), which can result in higher RCPs. Additionally, we found the Look Ahead
Penalty component for some resources was not a good estimate of the potential payments
it is intended to represent.

e There was a substantial reduction in the quantities of regulation offers associated with the
withdrawal of one of the large regulation suppliers late in 2005, and an increase in offer
prices by the some regulation suppliers. These higher offer prices contributed to the
higher RCPs and market costs.

Many of these factors were reversed in 2006. Suppliers lowered their offer prices and increased
the quantities offered. The lower offer prices may be due to experience gained with the new
market (most notably the additional revenue provided by the mileage payment) and the reduction
in natural gas prices that occurred in 2006. The lower offer prices and higher offer quantities led
to lower RCPs and regulation expenses in 2006. In addition, energy prices tended to be lower in

2006, leading to lower Lost Opportunity Cost payments on average.

On the basis of our initial review last year of the new regulation market, we recommended the
elimination of the Production Cost Component and a substantial change to the Look-Ahead
Penalty. The Internal Market Monitor had conducted an independent review of the regulation
market and made similar recommendations. In November 2006, the ISO proposed these changes
to FERC, and FERC accepted the changes to go into effect in January 2007. These changes
should improve the selection of resources to provide regulation, the participants’ incentives, and

the overall efficiency of the market.
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Regulation Market Conclusion

Based on our review of the regulation market, we find that the performance of the regulation
market improved substantially in 2006. The changes deployed in January 2007 should further
improve its performance. In the long-term, given the complex interaction of the regulation
market with the energy market (particularly with respect to commitment decisions made in the
day-ahead market), we recommend that the ISO evaluate the benefits of moving to day-ahead
and real-time regulation markets that are co-optimized with the energy and ancillary services

markets over the long-term.
E. Reserve Markets

ISO-NE made several major market enhancements in October 2006 under ASM Phase Il that
should improve market operations. Most notably, the 1ISO added locational requirements to the
forward reserve market and introduced real-time reserve markets with locational requirements
that are co-optimized with energy in the real-time market. These enhancements should better
enable the wholesale market to meet the reliability needs of the system and thereby reduce the
need for manual actions by the operators. This section of the report provides an assessment of
the first three months of operation of the Phase 11 ASM markets.

Design of Reserve Markets

Under ASM 11, the real-time market software jointly optimizes reserves scheduling with energy
scheduling. By co-optimizing the scheduling of energy and reserves, the market is able to reflect
the re-dispatch costs that are incurred to maintain reserves in the clearing prices of energy, and
vice versa. Previously, the energy-only market did not recognize the trade-offs between
scheduling a resource for energy or reserves. It is particularly important to consider such trade-
offs during tight operating conditions, because efficient scheduling reduces the likelihood of a
reserve shortage. When available reserves are not sufficient to meet the required levels, the real-
time model will be short of reserves and set the reserve clearing price at the level of the Reserve
Constraint Penalty Factor (“RCPF”).
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Although ISO-NE is not the first RTO to co-optimize energy and reserves in the real-time
market, it is the first to optimize the level of imported reserves to constrained load pockets.
Local reserve requirements can be met with reserves on internal resources or import capability
that is not used to import energy. This enhancement is important because the New England
market meets most of its local area reserve requirements with imported reserves rather internal
reserves. For example, during constrained intervals, 71 percent of the Boston area requirement
was satisfied with imported reserves and 39 percent of the Connecticut area requirement was

satisfied with imported reserves.

The Locational Forward Reserve Market (“LFRM”) is a seasonal auction where suppliers sell
reserves that they are obligated to provide in real-time. LFRM obligations must be provided
from either an online resource with unused capacity or an offline resource capable of starting
quickly (i.e. fast-start generators). The auction procures 10-minute non-spinning reserves
(“TMNSR?”) for all of New England and 30-minute operating reserves (“TMOR?”) for All of New
England, Boston, Connecticut, Southwest Connecticut, and Rest of System. The reserve
products transacted in the LFRM are consistent with the reserve products required in the real-
time market, except the LFRM does not separately procure of 10-minute spinning reserves
(“TMSR?”). This reflects the intended purpose of the LFRM, which is to capture in a forward
market signal the value of reserve capacity that is available in real-time, particularly from fast-

start units that are able to provide reserves without incurring commitment costs.
Real-Time Market Results

Reserve clearing prices were relatively low in the real-time market during the first three months
of operation under ASM I11. Outside the local constrained areas, average clearing prices were 27
cents/MWh for TMSR, 13 cents/MWh for TMNSR, and 1 cent/MWh for TMOR. In the local
areas, the most significant costs resulted from the Connecticut area TMOR requirement, which
exhibited an average clearing price of $1.04/MWh. In Southwest Connecticut, the clearing price
was nearly identical to the rest of Connecticut because the Southwest Connecticut area

requirement was infrequently binding.
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In this report, we evaluate the relationship between real-time local reserve clearing prices and
local Excess Capacity, which we define as the amount of local capacity that is online or capable
of starting within 30 minutes relative to the amount of local capacity that is required to meet load
and reserve requirements. We find that there is a strong correlation between the local reserve
clearing price and the amount of local Excess Capacity. When local Excess Capacity is less than
0 MW (i.e. there is a shortage), the local reserve clearing price rises to the RCPF ($50 per
MWh). We find that when Excess Capacity in Connecticut was between 0 MW and 200 MW,
the local reserve clearing price averaged about $6.50 per MWh. When Excess Capacity
increased between 200 MW and 400 MW, the local reserve clearing price declined to an average
of about $2.50 per MWh. Thus, reserve clearing prices in the local area decline rapidly as the
amount of Excess Capacity rises. This is expected because the marginal cost of supplying

reserves is very low for most units.

The Reliability Adequacy Assessment (“RAA”) process is designed to prevent capacity
shortages, but this evaluation indicates that committing excess amounts of capacity substantially
affects real-time reserve clearing prices, thereby, reinforcing the tendency of the day-ahead
market to under-commit in the local area. We recommend that the 1SO continue to evaluate

ways to improve the efficiency of this process while still meeting its reliability requirements.
Reserve Constraint Penalty Factors

In the real-time market model, the RCPFs put a limit on the costs that may be incurred to meet
the reserve requirements. Consequently, if the cost of maintaining the required level of a
particular reserve requirement exceeds the applicable RCPF, the real-time market model will
incur a reserve shortage. Thus, the particular levels of the RCPFs are important because they
determine how the real-time market responds to acute operating conditions. When the reserve
requirements cannot be met, the RCPFs prevent the model from incurring extraordinary costs for
little or no benefit. However, if the RCPFs are not sufficinently high, the market may not
schedule all available resources to meet reliability requirements. In such cases, the operator must
intervene to maintain reserves. To determine whether the RCPFs are set at appropriate levels,

we performed two analyses that are detailed in this report.
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The first analysis compares the local-area RCPF ($50 per MWh) to the marginal re-dispatch
costs incurred to meet the Connecticut-area reserve requirement during the first three months
under ASM II. We found 160 intervals when the marginal cost of maintaining local reserves
exceeded the RCPF. In these intervals, the real-time model either went short of reserves in
Connecticut or the operators met the requirement by dispatching additional generation in
Connecticut. This indicates that the RCPF was not sufficiently high to maintain reserves under

normal operating conditions during shoulder months.

The second analysis compares the local-area RCPF to the uplift costs incurred to satisfy
Connecticut-area reserve requirements in the RAA process. While generators are committed in
least-cost order, the 1SO is required to commit sufficient capacity to meet local 2" contingency
requirements, regardless of the cost. We find that the uplift costs from local 2™ contingency
commitments per megawatt-hour of Connecticut-area capacity requirements satisfied exceeded
the RCPF on nearly half of the days from October to December 2006.

Our analyses indicate that the costs incurred by the ISO to maintain local reserves frequently
exceed the RCPF. It is often necessary to commit generators for local reliability in the RAA
process because insufficient capacity is committed in local areas in the day-ahead market. A
higher RCPF would more accurately reflect the value of local reserves and increase incentives
for more market-based day-ahead commitment in the local areas. Hence, we recommend that the
ISO monitor the effects of the current local RCPFs, and after experience is gained during the

summer, determine whether the local RCPF levels are appropriate.
Forward Market Results

The first Locational Forward Reserve Market (“LFRM”) auction was held in August 2006,
procuring forward reserves for the eight months from October 2006 to May 2007. In the local
areas, TMOR cleared at the cap of $14,000 per MW-month because supply was insufficient to
meet the local TMOR requirement. Outside the local areas, TMNSR and TMOR cleared at
$4,200 per MW-month.1

1 Forward reserve clearing prices are affected by the market rule that suppliers do not receive capacity payments
for their forward reserve sales. During the period from October 2006 to May 2007, the primary source of
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While suppliers offer forward reserves on a portfolio basis, it is generally most efficient for them
to meet their obligations with fast-start capacity. Accordingly, suppliers satisfied 97 percent of
their forward reserve obligations with fast-start generators between October and December 2006.
Non-fast-start units face additional costs to provide forward reserves, because they must incur
the commitment costs in order to provide reserves. In contrast, fast-start units can provide
reserves while offline. Given the low level of participation by non-fast-start generation, it is
unclear whether the local TMOR requirements will be met in future LFRM auctions before

additional fast-start generation is installed.

To understand why suppliers with non-fast-start generation have not participated more, we
estimate the profitability of satisfying forward reserve obligations with non-fast-start generation
in the local areas at the cap of $14,000 per MW-month. For fast-start and non-fast-start units, the
cost of providing forward reserves includes the lost profits from foregone energy sales when the
LMP is less than the Threshold Price. However, non-fast-start units must incur commitment
costs when it is not profitable to be online. We find that a hypothetical combined cycle generator
would have earned net profits of $500 to $5,000 per MW-month after adjusting for the foregone
Transition Payments, while a hypothetical oil-fired or gas-fired steam generator would have

broken even or lost money.

These estimates assume one type of unit is used to satisfy the forward reserve obligation,
although it would reduce the cost to share the obligation between a combined cycle generator
and a steam generator. However, units under reliability agreements and units frequently
committed for reliability have disincentives to sell forward reserves. This was the case for most
combined cycle capacity in the constrained areas at the time of the first locational forward
reserve auction. However, some combined cycle generation in the local areas may be offered in
the forward reserve market in the local areas after the expiration of their reliability agreements.
The forward reserve market is not likely to reduce supplemental commitment for local reliability

or the associated NCPC without more participation from non-fast-start generation.

capacity revenue was from Transition Payments, which were $3,050 per MW-month from December 2006
to May 2007. Thus, a seller of TMOR in the unconstrained area would receive $4,200 per MW-month, but
also give up $3,050 per MW-month for six months, which is $2,287.50 per MW-month averaged over eight
months.
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Conclusion

The implementation of ASM Phase Il went smoothly with no disruptions in service and there
was no substantial rise in the frequency of price corrections, which is expected after major
changes to the market software. The new reserve market design with locational requirements
provides a framework for the wholesale market to more completely satisfy the reliability
requirements of the system while establishing efficient price signals that reflect these
requirements. Based on the initial period under the new market design, we identify two areas for
potential improvement within the new framework. First, we recommend the ISO continue to
evaluate ways to improve the efficiency of the RAA process in order to minimize the effects of
supplemental commitment on price signals in the constrained areas while still meeting the local
reliability requirements. Second, we recommend the ISO monitor the effects of the current local
RCPFs, and after experience is gained during the summer, determine whether the local RCPF
levels are appropriate. This evaluation should also consider whether any other potential design
improvements are suggested by the first full year of ASM market results.

F.  Competitive Assessment

This section of the report evaluates the market concentration and competitive performance of the
markets operated by the ISO-New England in 2006. Under locational marginal pricing, there
may be greater potential for certain participants to exercise market power in constrained areas
within New England that become separate geographic markets when congestion arises. This
assessment identifies the geographic areas and market conditions that are most susceptible to the
exercise of market power, and evaluates the conduct of market participants in these areas. We

analyze the following areas:

e All of New England;

e Connecticut;

e Norwalk-Stamford, which is in Connecticut;
e Boston; and

e Lower Southeast Massachusetts

The first part of our assessment evaluates each geographic market using a pivotal supplier

analysis to determine the demand conditions under which a supplier may have market power.
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This analysis identifies conditions when the energy and operating reserve requirements cannot be
satisfied without the resources of a given supplier (i.e., the “pivotal supplier”).

The preliminary result of this analysis indicates that the largest suppliers in Norwalk-Stamford,
Boston, Connecticut, and Lower Southeast Massachusetts are pivotal in a large number of hours.
However, these areas contain large amounts of nuclear capacity and capacity covered under
reliability agreements that significantly mitigate the incentives to exercise market power. After
taking the effects on incentives of nuclear capacity and reliability agreements into account, the
areas where market power was the greatest concern in 2006 were: (i) Lower Southeast
Massachusetts, where the largest supplier was pivotal in 52 percent of all hours, (ii) Norwalk-
Stamford, where the only supplier was pivotal in 23 percent of all hours, and (iii) all of New
England, where one supplier was pivotal in 11 percent of all hours. However, our analysis
suggests that once the reliability agreements expire, market power will be a more significant
concern in Boston and in the portions of Connecticut outside Norwalk-Stamford. Hence, it will
be important to continue to monitor these areas closely and ensure that the market power

mitigation measures are fully effective.

The second part of this assessment examines market participant behavior to determine whether it
was consistent with the profitable exercise of market power. We analyze the market for potential
economic withholding (i.e., raising a resources offer prices to reduce its output and raise prices)
and physical withholding (i.e., reducing the claimed capability of a resource or falsely taking a
resource out of service). Based on our evaluation in this report, as well as the monitoring we
performed over the course of the year, we find little evidence of behavior that is consistent with

the exercise of market power.

Outside Norwalk-Stamford, congestion was relatively mild due to substantial amounts of
supplemental commitment. Additionally, a large quantity of capacity is covered by reliability
agreements that mitigate the incentives of suppliers to withhold resources. Competitive concerns
are likely to rise in the future as the reliability agreements expire and supplemental commitments
decline. Thus, we recommend that ISO-NE continue to closely monitor structural and behavioral

market power indicators.
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While there is no substantial evidence that suppliers withheld capacity from the market in order
to raise clearing prices, suppliers can also exercise market power by inflating the NCPC
payments they receive when they are needed for local reliability. To the extent that a supplier
may have market power due to a local reliability requirement, the market power mitigation
measures are designed to remedy attempts to economically withhold resources to inflate NCPC
payments.

Conclusion

Based on the analyses of potential economic and physical withholding in this section, we find
little evidence of significant withholding that might indicate market power abuses during 2006.
The pivotal supplier analysis suggests that market power concerns exist in a number of areas in
New England. However, the abuse of this market power is limited by the ISO-NE’s market
power mitigation measures and the large amount of capacity under reliability agreements.
Nonetheless, ISO-NE should continue to monitor closely for potential economic and physical

withholding, particularly in constrained areas.
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I1. Prices and Market Outcomes

In this section, we review trends in prices that relate to the performance of the New England
wholesale market during 2006. This includes analyses of overall price trends, patterns of

transmission congestion, and convergence of prices in the day-ahead and real-time markets.

A. Price Trends

Our first analysis examines day-ahead prices at the New England Hub during 2005 and 2006.
The New England Hub is located at the geographic center of New England and is an average of
prices at 32 individual pricing nodes. The New England Hub price has been developed and
published by the 1SO to disseminate price information that will facilitate bilateral contracting.

Figure 1 shows the average? price at the New England Hub in the day-ahead market for each
month in 2005 and 2006. The figure also shows the average price of natural gas, which should
be a key driver of electricity prices when the market is operating competitively. Currently, over
49 percent of the generating capacity in New England is able to run on natural gas.3 Low-cost
baseload resources typically produce at full output, while natural gas-fired resources constitute
the majority of capacity that is dispatched at the margin and sets the market clearing price.
Therefore, electricity prices are expected to be closely correlated with natural gas prices. This

relationship is evident in Figure 1.

2 This average is weighted by the New England load level in each hour.

3 1SO New England, “2007-2016 Forecast Report of Capacity, Energy, Loads, and Transmission (CELT) Report,”
Section 1.3. April 2007.
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Figure 1: Monthly Average Day-Ahead Prices and Natural Gas Prices
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Note: Monthly average prices are load-weighted.
As has been the case in the past, natural gas price fluctuations were a primary driver of the
movement in electricity prices in 2005 and 2006. Natural gas price spikes led to elevated
electricity prices during the second half of 2005 after the loss of production in the Gulf Coast
region due to the hurricanes in late August and September. Electricity prices rose more sharply
than natural gas prices during the summer 2005 due to hotter weather conditions than normal.
While load set new record peaks in August 2006, lower gas prices and lower demand in most

hours of the year led to lower average electricity prices in 2006.

To identify changes in electricity prices that are not related to the fluctuations in natural gas
prices, Figure 2 shows the marginal heat rate that would be implied if natural gas resources were
always on the margin. The Implied Marginal Heat Rate is equal to the electricity price divided
by the natural gas price as measured in MMbtu/MWh. Thus, if the electricity price is $63/MWh
and the natural gas price is $7/MMbtu, this would imply that a 9.0 MMbtu/MWh generator is on
the margin. Figure 2 shows the monthly average implied marginal heat rate for the New England
Hub in each month during 2005 and 2006.
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Figure 2: Monthly Average Implied Marginal Heat Rate
Based on Day-ahead Prices at New England Hub
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By adjusting for the variation in natural gas prices, the implied marginal heat rate shows more
clearly the seasonal variation in electricity prices. During the summer months, the implied
marginal heat rate averaged 9.0 to 9.5 MMbtu/MWh, whereas outside the summer months, the

implied marginal heat rate was more frequently in the 8.0 to 8.5 MMbtu/MWh range.

With the exception of January, the implied heat rates were comparable in 2005 and 2006.
Implied heat rates dropped significantly during January 2005 when natural gas prices were at
extreme levels, because there were a large number of hours when either natural gas-fired units

were not on the margin, or they were running but not setting electricity prices.

B. Prices in Transmission Constrained Areas

Historically, there have been significant transmission limitations between net-exporting and net-
importing regions in New England. For instance, exports from Maine to the south are frequently

limited by transmission constraints, while Connecticut and Boston are sometimes unable to
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import enough to satisfy demand without dispatching expensive local generation. Standard
Market Design (“SMD”) was implemented in 2003 to help manage these transmission
constraints in an efficient manner through energy markets that produce locational marginal prices
(*LMPs™). In LMP markets, the variation in prices across the system reflects the marginal value

of transmission losses and congestion.

Losses occur whenever power flows across the transmission network. Losses are greater when
power is transferred over long distances and at lower voltages. The rate of transmission losses
increases as flows increase across a particular transmission facility. Transmission congestion
arises in both the day-ahead and real-time markets when transmission capability is not sufficient
to allow the lowest-cost resources to be fully dispatched and their output transmitted to the
locations where it should be consumed. When congestion arises, LMP markets establish a spot
price for energy at each location on the network that reflects the marginal system cost of meeting
load at that location. The marginal system cost can vary substantially over the system, reflecting
the fact that higher-cost units must be dispatched in place of lower-cost units to serve
incremental load while not overloading any transmission facilities. This results in higher spot

prices at “constrained locations” than occur in the absence of congestion.

Just as transmission constraints limit the delivery of energy into an area and require higher cost
generation to operate in the constrained area, transmission constraints may also require
additional operating reserves in certain locations to maintain reliability. In October 2006, the
ISO implemented real-time reserve markets under Phase 11 of the ASM project, providing
locational price signals for reserves and better price signals for both energy and reserves when
conditions are tight. When generation is redispatched in real-time to provide additional reserves
to a local area, the marginal system cost of the redispatch is reflected in the LMPs. The reserves

markets are discussed in greater detail in Section VI.

We analyzed the differences in energy prices between several important locations during the
study period. Figure 3 shows load-weighted average day-ahead LMPs for (i) the Maine load
zone, (i) Lower SEMA, (iii) NEMA/Boston load zone, (iv) the Connecticut regional system
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planning (“RSP”) sub-area, which excludes South-West Connecticut, (v) Southwest Connecticut

RSP, which excludes Norwalk-Stamford, and (vi) Norwalk-Stamford.

Figure 3: Average Day-ahead Prices by Location
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For each location, the load-weighted average LMP (including the effects of marginal
transmission losses) is indicated by the top of the solid bars. The top bar shows the magnitude of
congestion between the New England Hub and each location. The solid maroon bars indicate
positive congestion relative to the Hub, while negative congestion is indicated by striped bars.
Thus, prices in Maine are lower than the New England Hub due to congestion, while the other

areas are load pockets that are typically congested-up relative to the Hub.

During the spring of 2006, the 1SO began to maintain sufficient local reserves to meet second
contingency requirements in Lower SEMA. However, Lower SEMA was not modeled as a
transmission constraint in the market software until October 2006. Therefore, congestion costs
into Lower SEMA were not reflected in LMPs until the final three months of the year. The
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changes in second contingency requirements for the Lower SEMA area are discussed in greater

detail in Section 1V.

The import limits into Connecticut, and particularly Norwalk-Stamford, accounted for most of
the congestion in New England during 2006. The average congestion price difference between
the New England Hub and Norwalk-Stamford was significant throughout 2006; the congestion
into Norwalk-Stamford averaged more than $60/MWh during the summer of 2006. The
Norwalk-Stamford transmission interface accounted for nearly 60 percent of net congestion
revenue collected by the 1SO for all of New England in 2006. Congestion into Norwalk-
Stamford is likely to decline in 2007 due to the expiration of PUSH (“Peaking Unit Safe
Harbor™) offer rules.4

C. Convergence of Day-ahead and Real-Time Prices

The day-ahead market allows participants to make forward purchases and sales of power for
delivery in the real-time. This is a valuable financial mechanism that allows participants to
hedge their portfolios and manage risk. Loads can insure against price volatility in the real-time
market by purchasing in the day-ahead market. Suppliers can avoid the risk of starting-up their
generator on an unprofitable day, because the day-ahead market will only accept their offer when
they will profit from being committed. However, suppliers that sell in the day-ahead market are
exposed to some risk, because they are committed to deliver energy in the real-time market. An

outage can force them to purchase replacement energy from the spot market during a price spike.

In a well functioning system with day-ahead and real-time markets, we expect that day-ahead
and real-time prices will not systematically diverge from one another. If day-ahead prices were
predictably higher than real-time prices, buyers would decrease purchases and sellers would
increase sales in the day-ahead market. Alternatively, if day-ahead prices were foreseeably
lower than real-time prices, buyers would increase purchases day-ahead and sellers would

decrease their day-ahead sales.

4 PUSH offer rules allow owners of low capacity-factor generators in Designated Congestion Areas to include
levelized fixed costs in energy offers without risk of mitigation.
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Historically, average day-ahead prices tend to be relatively consistent with the average real-time
prices in New England, although it has been common for day-ahead prices to carry a slight
premium over real-time prices. Predictable day-ahead price premiums encourage speculative
market participants to schedule incs or “virtual supply” (i.e. to sell short at the day-ahead price
and buy back at the real-time price). This response puts downward pressure on day-ahead prices
and tends to limit the size of the average day-ahead premium. Price convergence is desirable
because it promotes the efficient commitment of generating resources and scheduling of external

transactions.

In this section, we evaluate the convergence of prices between day-ahead and real-time markets.
The first part examines convergence of energy prices at the New England Hub, which is broadly
representative of most areas of New England. The second part of this section examines
convergence of energy prices in several areas that are sometimes isolated from the rest of New

England by transmission constraints.

D. Price Convergence at the New England Hub

Examining price convergence between day-ahead and real-time markets at the New England Hub
provides a sense of the overall degree of price convergence in the region. In this section, two
measures are used to assess price convergence. The first measure reports the simple difference
between the average day-ahead price and the average real-time price. The second measure
reports the average absolute difference between day-ahead and real-time prices on an hourly
basis. The first measure is an indicator of the systematic bias between day-ahead and real-time
prices, while the second measure captures the overall variability between day-ahead and real-

time prices over the year.

Table 1 shows load-weighted average day-ahead and real-time energy prices at the New England
Hub in 2005 and 2006. The table also shows the average allocation of Net Commitment Period
Compensation (“NCPC”) charges to participants that purchase energy from the market. NCPC
payments are made to generators that are committed and dispatched by the ISO but do not

recover their as-bid cost from market revenue.

29



POTOMAC
ECONOMICS

Prices and Market Outcomes

Table 1: Convergence of Day-Ahead and Real-Time Prices at New England Hub

2005-2006
2005 2006

Day-Ahead Market:

Average Price (1) $81.35 $63.50

NCPC Allocation to Load (2) $0.33 $0.07

Price plus NCPC Allocation =(1)+(2) $81.68 $63.57
Real-Time Market:

Average Price (3) $79.70 $62.67

NCPC Allocation to Load (4) $1.91 $0.74

Price plus NCPC Allocation =(3)+(4) $81.61 $63.41
Average DA minus Average RT:

Price Only =(1)-(3) $1.65 $0.83

Price plus NCPC Allocation =) +(2)-3)- @ $0.07 $0.16
Average Absolute Difference (5) $12.99 $10.64

(as a percent of RT Price) =(5)/(3) 16% 17%

The table shows that in both years the day-ahead prices were higher than real-time prices,
although the average day-ahead premium declined from $1.65/MWh in 2005 to $0.83/MWh in
2006. While real-time prices tend to be lower than day-ahead prices, NCPC allocations tend to
be higher in real-time than in the day-ahead market.> Therefore, when NCPC payments are
included in the assessment of convergence, the average day-ahead premium is reduced to just
$0.07/MWh in 2005 and $0.16/MWh in 2006. Hence, once we consider the full cost to load
serving entities of purchasing power, there is no significant difference between average day-
ahead and average real-time prices.

With the first measure of convergence, a much higher day-ahead price one day can be offset by a
much lower day-ahead price the next. The result is a measure which shows which price tends to

5 Both tendencies are common in integrated power markets with day-ahead and real-time markets, but neither is
guaranteed. Energy prices tend to be higher day ahead because load is willing to pay a small premium for the
relative stability of day-ahead prices compared to real-time prices. NCPC costs tend to be higher in real-time
because the system will have less flexibility in responding to changing resource outputs and load patterns in real
time than in the day ahead time frame, often requiring the selection of more costly alternatives. Additionally,
commitments made solely for reliability are generally made after the day-ahead market.
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be higher on average, but does not indicate how widely prices typically diverge on an hourly
basis. This second measure reflects the average size of the difference between day-ahead and

real-time prices on an hourly basis, regardless of which price is higher.

The average absolute difference between day-ahead and real-time prices fell from 2005 to 2006,
which is not unexpected given that the average energy price declined significantly in 2006.
When considered as a percentage of real-time prices in each year, the average absolute difference
did not change substantially from 2005 to 2006.

The factors that affect real-time prices on a particular day are inherently difficult to predict.
Changing weather patterns can lead to large differences between forecasted demand and actual
demand. Generation outages and transmission outages can arise, leading to sharp reductions in
supply. These factors cause day-ahead and real-time prices to differ significantly from one
another on individual days even if prices are converging on average. The following analysis

examines the pattern of day-ahead and real-time prices on individual days.

Figure 4 shows the average daily real-time premium during peak hours in 2006 (hours from 6
AM to 10 PM, weekdays excluding holidays). The real-time price premium on a particular day
is calculated by subtracting the average day-ahead price for the day from the average real time
price for the day (i.e., a negative value indicates that the day-ahead price was higher than the

real-time price).

The pattern in Figure 4 is typical of wholesale electric markets that have day-ahead and real-time
markets. The majority of days (62 percent) exhibit a modest day-ahead price premium, indicated
by negative values in the figure. However, to the extent that there are large differences between
day-ahead and real-time prices, it is the result of real-time price spikes, which give the figure a
lop-sided appearance. On days that exhibited a day-ahead price premium, the largest difference
for a particular day was $25/MWh (on August 4™). While on days that exhibited a real-time
price premium, the largest difference for a particular day was $241/MWh (on August 2"%).
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Figure 4: Real-Time Price Premium at the New England Hub
Weekdays, 6 AM — 10 PM, 2006
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Day-ahead prices should include a probability-weighted expectation that a real-time price spike
could occur. As the probability of a spike increases in the judgment of market participants, the
premium on day-ahead energy also increases. This leads to the pattern that most days exhibit
higher day-ahead prices but that differences between day-ahead and real-time prices are larger on

days that exhibit higher real-time prices.

E. Price Convergence in Transmission Constrained Areas

When the transmission system is unconstrained, all buyers and sellers participate in a single,
regional market. Individual market events that change the supply of generation or demand in one
area are responded to by adjustments throughout the system. This diminishes the price impact
that individual events, such as generator outages. When transmission constraints are binding,
such events can have a much greater effect in a particular area. This section examines price
convergence statistics in locations that are most frequently constrained from the rest of New

England.
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The following table summarizes convergence between day-ahead and real-time prices at the New
England Hub, one frequently export-constrained location (Maine), and four frequently import-
constrained locations. As before, we report two measures of convergence: (i) the difference
between the average day-ahead and average real-time prices and (ii) the average absolute
difference between hourly prices in the day-ahead and real-time markets. The difference in
average prices shows whether prices over the entire period were higher in the day-ahead or real-

time market. The average absolute difference shows the size of the hourly price differences.

Table 2: Convergence between Day-Ahead and Real-Time Prices by Region

2005-2006

Real-Time Day-Ahead - Real-Time Hourly Absolute

Clearing Price Price Difference Price Difference

2005 2006 2005 2006 2005 2006

New England Hub $79.70  $62.67 $1.65 $0.83 $12.99 $10.64
Maine $72.86  $58.62 $0.18 $0.70 $11.59 $9.92
NEMA/Boston $80.58  $63.60 $2.67 ($0.50) $15.66 $12.24
CT RSP (excl. SWCT) $81.18  $65.01 $1.58 $2.12 $13.76 $12.33
SWCT RSP (excl. Norwalk) $82.26  $65.29 $0.85 $2.22 $14.20 $12.43
Norwalk-Stamford $97.31  $86.13 $10.15 $3.96 $25.13 $20.60

Price convergence was generally better at the New England Hub than at the four import-
constrained locations shown in Table 2, reflecting that market events tend to have a greater price
impact in isolated areas. The first measure of convergence, the difference between the average
day-ahead and average real-time price, was generally higher in the import-constrained areas than
at the Hub. Likewise, the second measure of convergence, the average absolute difference, was
always higher in the import-constrained locations than at the Hub. Price convergence was worse
at the Hub than in Maine, the only export-constrained region in the table. This is because
binding constraints on exports from Maine reduce the frequency of price spikes in Maine,
making real-time prices more predictable.

The $0.50/MWh real-time price premium for Boston in 2006 provides an example of how a
single market event can affect convergence between day-ahead and real-time prices. In Boston
on May 9™, real-time prices rose to the $900/MWh range during the afternoon and early evening
after day-ahead prices had been in the $100/MWh to $140/MWh range. Two large units were
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out of service due to planned outages, and a third large unit experienced a sudden forced outage.
This reduction in supply led to severe real-time congestion into Boston. Excluding this 10-hour
event, Boston would have had a $0.36/MWh day-ahead price premium and the average absolute
difference would have been $11.41/MWh.

Over time, price convergence has a tendency to improve as market participants learn how to
predict such events. For instance, Norwalk-Stamford began to experience severe congestion on a
frequent basis in 2005. As a result, LMPs in Norwalk-Stamford were more volatile than other
regions of New England. Because supplemental commitment frequently occurs after the day-
ahead market, the additional supply tends to reduce real-time congestion. This pattern attracted
virtual supply, but not in sufficient quantities to bring full convergence. Because of the inherent
difficulty of predicting such events, average day-ahead prices were significantly higher than
average real-time prices. In 2006, congestion into Norwalk-Stamford continued and
convergence improved substantially. The difference between average day-ahead and average
real-time prices reduced from $10.15/MWh in 2005 to $3.96/MWh in 2006. Likewise, the
average absolute difference declined from 26 percent of the average real-time price in 2005 to 24

percent in 2006.
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I11.  Transmission Congestion and Financial Transmission Rights

A key function of LMP markets is to set efficient energy prices that reflect the economic
consequences of binding transmission constraints. These prices guide the short-term dispatch of
generation and establish long-term economic signals that govern investment in new generation
and transmission assets. Hence, a primary focus of this report is to evaluate locational marginal

prices and associated congestion costs.

Net congestion revenue collected by the ISO and net payments to Financial Transmission Rights
(“FTRs”) holders declined in 2006, primarily due to the milder load conditions and lower fuel
prices. Net congestion revenue exceeded net payments to FTR holders for most of the year.
Congestion revenue collected in the last four months of the year was less than obligations due to
FTR holders, leading to pro rata under funding of FTR obligations in those months. We also
found that the patterns of prices in the FTR auctions were generally consistent with the patterns

of congestion in the day-ahead and real-time markets.

Congestion costs are incurred in the day-ahead market based on the modeled transmission flows
resulting from the day-ahead energy schedules. These costs result from the difference in prices
between the points where power is generated and consumed on the network. A price difference
due to congestion indicates the gains in trade between the two locations if additional
transmission capability were available. Hence, the difference in prices between the locations
represents the marginal value of transmission. The differences in locational prices caused by

congestion are embodied in the congestion component of the LMP at each location.®

A participant may hedge congestion charges in the day-ahead market by holding FTRs. An FTR
entitles a participant to payments corresponding to the congestion-induced difference in prices
between two locations in a defined direction. For example, a participant that holds 150 MW of

FTRs from point A to zone B is entitled to 150 times the locational energy price at zone B less

6 The congestion component of the LMP represents the difference between the marginal cost of meeting load
at that location versus the marginal cost of meeting load at a reference location, assuming no transmission
losses.
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the price at point A (a negative value means the participant must pay) assuming no losses.
Hence, a participant can hedge the congestion costs associated with a bilateral contract if it owns

an FTR between the same receipt and delivery points as the bilateral contract.

A. FTR Purchases

Our evaluation of transmission congestion in New England begins with an assessment of the
pattern of FTR purchases. FTRs can be used to hedge the congestion costs of serving load in
congested areas or as speculative investments for purchasers who forecast higher congestion
revenues between two points than the cost of the associated FTR. In well-functioning markets,
the FTR prices should be highly correlated with the expected levels of congestion on the system.
In addition, the pattern of FTR purchases should correspond to the attendant power flows
associated with the location of loads and generation.

In 2006, the 1SO auctioned FTRs with one-month and one-year terms. The one-year FTRs allow
market participants greater certainty by locking-in congestion hedges further in advance.
Currently, the I1SO releases 50 percent of transmission capability in an annual auction of one-
year FTRs, while the remaining 50 percent of capability is made available in the monthly
auctions. Figure 5 summarizes net purchases of FTRs into and out of each of the eight New
England Zones. It also shows the pattern of FTR purchases between the three primary areas of
Connecticut. In the figure, net purchases from the annual auction are combined with the

quantities from the monthly auctions.

To simplify Figure 5, we show all of the FTR purchases for each zone relative to the New
England Hub, rather than showing the actual sources and sinks. Since FTRs have the properties
of geometric vectors, an FTR between any two zones is equivalent to the FTR from the first zone
to the hub plus the FTR from the Hub to the second zone. If a zone was a net source for FTRs
(more FTRs exit the zone than enter the zone), then the arrow in Figure 5 is directed from the
zone to the New England Hub (e.g., Maine). If the zone is a net sink, then the arrow points from
the New England Hub to the zone (e.g., Connecticut). Sub-areas nested within larger regions are
shown relative to the larger region. Hence, Norwalk-Stamford is shown relative to Southwest

Connecticut because it is wholly contained, and likewise Southwest Connecticut is shown
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relative to Connecticut. Thus, an FTR from Maine to Norwalk-Stamford would be broken into
four components in the figure above: from Maine to the Hub, from the Hub to Connecticut, from

Connecticut to Southwest Connecticut, and from Southwest Connecticut to Norwalk-Stamford.

Figure 5: Net FTR Purchases between New England Zones, 2006
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The patterns shown in Figure 5 are generally consistent with expectations. Maine and South East
Massachusetts, and New Hampshire zones have been net sources for FTRs, consistent with the
fact that these zones tend to exhibit net exports of power. NEMA/Boston and Connecticut have
been net sinks for the FTRs. This is also generally consistent with historic power flows into

these areas.
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The next analysis compares the net obligations to FTR holders and the congestion revenue
collected by the I1SO to satisfy those obligations. As discussed above, the entitlement of an FTR
from point A to point B in a particular hour is equal to the size of the FTR in megawatts times
the difference in congestion prices between the two points. Congestion revenue, which is
generated in the day-ahead market whenever there is a binding transmission constraint, is equal
to the megawatts flowing across the interface times the shadow price (i.e., the marginal
economic value) of the interface. If the ISO does not collect enough congestion revenue to pay
FTR holders the entire entitlement over the year, all FTRs are discounted pro rata. Figure 6
shows net congestion revenue collected by the ISO, net payments to FTR holders, and the sum of
the discounted (i.e. unfunded) portions of FTRs in each month during 2005 and 2006.

Figure 6: Summary of Congestion Revenue and Payments to FTR Holders
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The first conclusion that can be drawn from the analysis is that both net congestion revenue and
net payments to FTR holders were substantially lower in 2006 than in 2005. Net congestion

revenue dropped from $266 million in 2005 to $180 million in 2006. Likewise, net payments to
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FTR holders fell from $207 million in 2005 to $163 million in 2006. There have not been
significant changes to the capability of the transmission system. Hence, the decrease in
congestion is primarily attributable to the milder load conditions and lower fuel prices during
2006. The patterns of congestion in 2006 are evaluated in greater detail in the following

subsection.

In 2006, congestion revenues were generally higher than FTR payments, particularly during the
summer. In general, congestion revenues exceed FTR payments when the capability of the
transmission system is greater than the capability defined by the total portfolio of FTRs held by
participants. For example, if the transmissions system could accommodate 800 MW of flows
between two points and a net amount of only 600 MW of FTRs were sold from one to the other,
we would expect net congestion revenues to exceed payments to FTR holders by approximately
200 MW times the difference in congestion components between the two points. In this case, a
substantial portion of this excess can be attributed to the FTR quantities sold into the Norwalk-
Stamford area. As shown above, 578 MW of FTRs were sold into this area while the average
limit on the interface into this area in the day-ahead market was 795 MW. Because this was the

most congested interface in 2006, it resulted in significant excess day-ahead congestion revenue.

However, there were several months at the end of 2006 when net congestion revenues were less
than the net entitlements to FTR holders. When this happens, payments to FTR holders are
reduced such that the payments equal the net congestion revenues. However, surpluses from
other months are collected over the course of the year and used to satisfy these entitlements.
Typically, the monthly shortfalls result from transitory reductions in the transfer capability of
key interfaces relative to the net amount of FTRs that cross the interface. For instance, on
December 26, 2006, the capability of the Connecticut import interface was reduced to
approximately 250 MW in the day-ahead market. There was a net quantity of approximately
1000 MW of FTRs held across the interface. During periods when the interface was congested,
the total entitlement of these FTRs was far greater than the amount of congestion revenue
collected by the ISO.
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B. Congestion Patterns and FTR Prices

This subsection evaluates the efficiency of the FTR auctions by comparing the levels of
congestion and the FTR prices into each zone in New England. This evaluation is based on a
comparison of the day-ahead and real-time congestion costs to FTR prices in the various zones.

In a well-functioning system, these values should be highly correlated.

Figure 7 shows day-ahead and real-time congestion costs compared to FTR prices during 2006
for each of the eight New England load zones and three Connecticut sub-areas. The congestion
costs shown are the average for on-peak hours and are calculated relative to the New England
hub. Hence, if the congestion component in the figure indicates $4 per MWh, this is interpreted
to mean the congestion cost to transfer a MW of power from the New England Hub is $4. The
congestion cost between any two points shown in the figure is the congestion price at the sink
location less the congestion price at the source location. The analysis is limited to the on-peak
hours since the load and the power flows on the system are greatest in these hours.

Figure 7: FTR Auction Prices vs. Day-Ahead and Real-Time Congestion
Locational Averages Shown Relative to New England Hub Price
2006 -- Weekdays 6 AM to 10 PM
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The monthly FTR auction clearing price is the average purchase price from the twelve monthly
auctions, reported in dollars per MWh by location. Like the congestion costs, the purchase price
for an FTR between two locations is the difference between the prices at the destination and
origin points of the FTR. For example, a $-4/MWh FTR price for Maine and $9/MWh FTR
price for Connecticut would indicate a total price for an FTR from Maine to Connecticut of
$13/MWh. The load zones and sub-areas listed along the horizontal axis are generally ordered in
accordance with their historical congestion patterns relative to the hub. Hence, the locations
listed toward the left tend to face congestion as they export power to zones toward the right.

During 2006, congestion costs in the day-ahead and real-time markets were relatively consistent
with FTR prices. Day-ahead congestion costs were more closely correlated with monthly FTR
prices than with annual FTR prices. This is likely because market participants face greater
uncertainty in the annual auction regarding congestion levels over the course of the upcoming
year than at the time of the monthly auctions. In general, the magnitudes of the zonal FTR prices
were greater in the annual auction than in the monthly auctions. This suggests that at the
beginning of the year, market participants expected more congestion than actually occurred and

revised their expectations prior to the monthly auctions.

Figure 7 also reveals that there continues to be substantially more total congestion on the three
interfaces into the Connecticut sub-zones than on the interfaces into Connecticut. The
Connecticut load zone is an aggregation of many smaller nodes and the price is a load-weighted
average of the smaller nodes. In 2006, approximately one-sixth of the Connecticut load was in
the Norwalk-Stamford sub-area, one-third was in the Southwest Connecticut RSP (which does
not include Norwalk-Stamford), and one-half was in the Connecticut RSP (which does not

include Southwest Connecticut).

The next analysis compares the same results for Summer 2005 and Summer 2006. The analysis
focuses on the summer because system peaks generally occur in the summer due to cooling
demand and the transmission system is under the greatest stress. Figure 8 shows the FTR
clearing prices, day-ahead congestion, and real-time congestion for the peak hours during the

summer season. Higher summer loads generally result in higher congestion costs and greater
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financial risks for market participants, making FTRs most valuable during the summer. Figure 8
shows FTR prices and congestion costs for the three most congested zones during the summers
of 2005 and 2006.

Figure 8: FTR Auction Prices vs. Day-Ahead and Real-Time Congestion
Locations Shown Relative to New England Hub Average Price
June to August, 2005 - 2006 — Weekdays 6 AM to 10 PM
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In general, the day-ahead and real-time congestion costs were lower during the summer of 2006
in Maine and NEMA/Boston due to lower load levels and natural gas prices. However, all three
areas in Connecticut saw higher congestion costs in the summer of 2006, and especially higher
congestion costs from the Connecticut sub area into the Norwalk-Stamford load pocket. The
figure shows that the average cost of day-ahead congestion from the Connecticut sub area (which
does not include Southwest Connecticut) to Norwalk-Stamford increased from $57.47/MWh in
2005 to $70.91 in 2006. The average monthly FTR price for this path was $38.47/MWh in the
summer of 2006. Hence, the monthly FTR market did not fully anticipate the higher levels of

congestion into Norwalk-Stamford.
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Given the volatile nature of congestion patterns, we found that FTRs were valued reasonably
well in the FTR auctions. As expected, the monthly auctions generally exhibited more accurate
valuations than the 12-month auction. Thus, the FTR market showed signs of adapting to
changes in patterns of day-ahead congestion during the study period. We have also reviewed the
FTR market processes and did not find any structural or methodological impediments to efficient
FTR pricing. However, the practice of discounting payments to FTR holders when net

congestion revenues are insufficient may lead to lower auction revenues in the future.
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IV.  Market Operations

System operation actions can substantially affect market outcomes and overall market efficiency.
For example, the system operator’s forecast of transmission capacity available to the Day-Ahead
market has a direct effect on outcomes in that market, and also affects the efficiency of
commitment decisions, total uplift payments, and real-time prices. Supplemental commitments,
based in part on operator load forecasts, similarly affect uplift expenses and real-time market
outcomes. In addition, operator practices can influence market participant incentives to bid or
offer resources in a competitive manner. Therefore, it is important to critically assess the

operation of the market.

In this section, we evaluate a number of areas related to the operation of the New England

markets. These areas include:

e Accuracy of the ISO’s load forecasts and transmission limits,
e Frequency of price corrections,
e Reliability commitment and out-of-merit dispatch, and

e Real-time prices during commitment of fast start units.

These areas include the vast majority of the actions that can substantially affect market outcomes
and the efficiency of the market’s price signals.

A. Accuracy of ISO Load Forecasts

The accuracy of I1SO load forecasts is important for efficient market operations because
inaccurate load forecasts can cause the ISO to commit too much or too little capacity. Over-
forecasting can lead to excess generator commitments, which may increase uplift costs and
depress real-time prices. Under-forecasting can lead to insufficient supply in real-time and
inflated real-time prices. Therefore, it is desirable that day-ahead forecasts accurately predict
actual loads. Figure 9 summarizes daily peak loads and two measures of forecast error on a
monthly basis during 2005 and 2006.
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Real-Time Load (MW

Figure 9: Average Daily Peak Forecast Load and Actual Load
Weekdays, 2005-2006
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Note: Over-forecast is the percentage by which the average day-ahead forecasted peak load exceeded
average real-time peak load -- a negative percentage value indicates an under-forecast. Forecast
error is the average of the absolute difference between the day-ahead forecasted peak load and

the actual peak load.

The figure shows a characteristic pattern of high loads during the winter and summer and mild

loads during the spring and fall. The 2006 annual peak load of nearly 28 GW occurred on

August 2" although the average daily peak was highest in July. Forecasted demand tracked

actual load closely in most months. Average forecast load was 0.7 percent higher than average

actual load in 2006. The average over-forecast was generally close to zero, but ranged as high as

1.9 percent in August and as low as -0.8 percent in October. Given the small size of these

average differences, the only potential issue raised by this analysis is that the daily peak

forecasted load is generally higher than the daily peak actual load. The ISO should evaluate the
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load forecasting algorithm to ensure there are no elements of the model that would bias the

forecasts unjustifiably.”

To measure the average forecast error associated with the daily peak demand, we also calculated
the average of the absolute value of the difference between the forecasted peak demand and the
actual peak demand. For example, a one percent over-forecast on one day and a one percent
under-forecast on the next day would result in an average forecast error of one percent, even
though the average forecast load would be the same as the average actual load. Our analysis
shows that the forecast error as a percent of the actual peak demand improved from an average of
2.2 percent in 2005 to an average of 1.8 percent in 2006. The forecast error did not change
significantly during the non-summer months, but it decreased considerably during the summer.
Overall, we find that the load forecasting performance of ISO-NE remains good.

B. Forecasted Transmission Interface Capability

Load pockets such as Connecticut and Boston have historically imported a large share of their
power because supply resources in these areas are generally more expensive than in outlying
areas. However, imports are limited by the capability of the transmission system. The load that
cannot be met by imports must be satisfied from local resources. Like the forecast of load,
forecasts of transmission capability help determine the commitment of resources in these areas.
While over-forecasting load can cause over-commitment of generation resources, over-
forecasting the transfer capability of an interface can cause under-commitment inside the load
pocket. Conversely, under-forecasting the transfer capability leads to over-commitment within
the load pocket. Thus, it is important to forecast accurately factors that affect the capability of

the transmission system.

Transfer capability into load pockets in Connecticut, Boston, and the lower-end of Southeast
Massachusetts are calculated to reflect the second-contingency requirements in the area (known

as the proxy second-contingency limits). The same methods are used for calculating day-ahead

7 A small bias toward over-forecasting may be justifiable because the costs of under-forecasting (i.e., under-
commitment and potential for shortages) are likely larger than the costs of over-forecasting.
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and real-time capability. However, real-time capability is estimated based on actual operating
conditions, while day-ahead capability is estimated based on a forecast of the next day’s
operating conditions. The factors used to calculate the transfer capability include:
e The thermal limits of individual elements that make up the interface and reactive power
flows;

e The commitment status of generators that influence the distribution of flows across the
interface;

e Qutages of key transmission lines and generators;
e The size of the largest generator contingency;

e The quantity of 30-minute reserves available on units on-line and available on off-line
quick start resources in the load pocket; and

e The amount of load that can be shed in the event of a contingency.

Naturally, there will always be differences between forecasted and actual conditions that will
lead to some differences between day-ahead and real-time capability. In general, most of these
differences should be random and result in relatively small differences in capability between the
day-ahead and real-time market. However, reliability concerns related to unknown factors in the
day-ahead timeframe may justify use of conservative assumptions that would cause day-ahead
capability to be lower on average than real-time capability. To evaluate the differences, Figure
10 shows the monthly average real-time transmission transfer capability minus the average day-
ahead capability for five key interfaces during 2006. The Lower SEMA interface is shown for

the three months when it was modeled in the real-time dispatch software.

A positive value in the chart indicates that more transfer capability was available in real-time
than was estimated to be available day ahead. The figure shows that real-time capability has
been higher on average than day-ahead capability on four of the five interfaces. Only Norwalk-
Stamford showed higher average day-ahead capability. Over the course of 2006, there was a
marked decline in the real-time transfer limits relative to the day-ahead transfer limits.
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Figure 10: Systematic Differences between Real-Time and Day-Ahead Transmission Limits
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Systematic differences between day-ahead and real-time capability employed in the markets
have been declining, which should improve overall market performance. We recommend that
the ISO periodically investigate factors that cause these differences to determine whether
additional improvements can be made to reduce or eliminate any unjustifiable differences

between day-ahead and real-time limits.

C. Price Corrections

This subsection evaluates the rate of price corrections that have occurred during 2006. Price
corrections are necessary to address a variety of issues, including software flaws, operations or
data entry errors, system failures, and communications interruptions. Although they cannot be
completely eliminated because data and communications errors are an inherent issue in
electricity markets, a market operator should aim to minimize these corrections. Substantial and
frequent corrections raise 1SO and market participant costs and can harm the integrity of the

market.
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Price corrections tend to be more frequent during the transition to new markets or the
implementation of significant software changes. Therefore, the rate of price corrections dropped
significantly after the initial introduction of SMD in March, 2003. Figure 11 below shows the

rate of real-time price corrections in New England from March 2003 through December 2006.

Figure 11: Rate of Real-Time Price Corrections
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The figure shows that New England required a significant number of price corrections in the first
five months under SMD. However, since August 2003, the rate has been less than one percent in
each month and 0.3 percent in most months. It is particularly notable that the frequency of price
corrections was very low during the last three months of 2006 after the initial implementation of
real-time reserve markets. Real-time co-optimization of energy and reserves required significant
changes to the market software. Major software deployments often lead to more frequent price
corrections. These results support the conclusion that the real-time reserve market development

and deployment were well-managed and the SMD markets overall are working well.
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D. Real-Time Commitment and Pricing of Fast-Start Resources

Fast-start units are generally capable of starting from an offline status and ramping to their
maximum output within 10 minutes or 30 minutes of receiving an instruction. This enables them
to provide reserves while offline. Areas without significant quantities of fast-start generation
must maintain more of their reserves on online units, which can be very expensive. Another
benefit of fast-start units is that they ramp to their maximum output level more quickly than

baseload units and enable the system operator to respond rapidly to unexpected changes in load.

The real-time dispatch software, called “UDS,” is responsible for scheduling generation to
balance load, while not exceeding the capability of the transmission system. Based on a short-
term forecast of load and other operating conditions, UDS provides advance notice of dispatch
instructions to each generator for the next dispatch interval.8 In general, UDS adjusts the output
level of online resources. Most commitment decisions are made prior to the operation of UDS in
the day-ahead timeframe. However, UDS is capable of starting fast-start units, which is more

efficient than relying exclusively on operators to manually commit such units.9,10

When determining dispatch instructions for most generators, UDS considers only incremental
offer prices, since the generator will be online in any case. However, for offline fast-start
generators, UDS takes commitment costs into account. Commitment costs include a start-up
cost for a unit that is offline and a “no-load” cost reflecting the fixed hourly cost of keeping a

unit online.

For instance, suppose UDS needs to schedule an additional 20 MW and has the choice of
increasing the output of an online unit with an incremental offer price of $120/MWh or starting
up a 20 MW fast-start unit with an incremental offer price of $75/MWh, a no-load offer price of

8 Generators are usually given instructions 15 minutes in advance, but this can be set higher or lower by the
operator.
9 Based on its real-time optimization, UDS recommends that individual fast-start units be started. However,

the final decision to start a unit remains with the real-time operator.

10 This includes units that are capable of providing 10-minute or 30-minute non-synchronous reserves and
have a minimum run time and a minimum down time of one hour or less.
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$300/hour, and a start-up offer price of $500 (which UDS amortizes over one hour). The
average total offer of the offline unit is $115/MWh = ($75/MWh + $300/hour +~ 20 MW +
$500/hour = 20 MW). Hence, the offline unit is more economic than the available capacity of

the online unit.

Although the fast-start unit in this example is committed and dispatched in merit order, the full
cost of the decision is not reflected in real-time prices under the current market design. Marginal
cost pricing considers only the incremental offer price of the last accepted megawatt. If the last
accepted megawatt came from the fast-start unit, the clearing price would be set at the
incremental offer price of $75/MWh, even though it cost substantially more to bring the unit
online. As a result, the owner of the fast-start unit would receive an NCPC payment to make up

the difference between the average total offer of $115/MWh and real-time market revenue.

Additionally, fast-start units may not always set energy prices when they are needed to satisfy
energy, operating reserves, or local reliability requirements. When a fast-start unit does not set
prices, the price will be set by a lower-cost resource even if committing the fast-start resource
was economic. In the example above, therefore, the clearing price determined in the real-time
market could even be less than $75/MWh.

The following table summarizes commitment of fast-start units by UDS in 2006. Information is
shown separately for fast-start units that are deployed within congested areas because these
deployments generally occur under higher price conditions and frequently involve more
expensive offers. The table provides additional details for intervals when the average total offer
of a deployed fast-start unit exceeds the LMP at its location.1l The average total offers are used
by UDS to establish the economic merit order of offline fast-start units. Hence, when the LMP is
less than the average total offer, the LMP does not fully reflect the cost to the system of meeting

demand.

11 The average total offer is the sum of incremental, no-load, and start-up offer components averaged over the
economic maximum of the unit for the one hour amortization period.
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Table 3: UDS Deployment of Fast-Start Units in 2006
No Fast-Start Unit in
Congestion Congested Area
Total Frequency of Deployments (%o of all intervals) 4.6% 0.9%
Deployments where LMP < Marginal Fast-Start Offer:
Frequency of Deployments (%o of all intervals) 1.9% 0.5%
Avg. Offer of Marginal Fast-Start Unit ($/MWh) $127 $201
Avg. LMP at Marginal Fast-Start Unit ($MWh) $83 $165
Avg. Difference Between Offer and LMP ($/MWh) $44 $35

UDS deployed fast-start units in unconstrained areas in 4.6 percent of the intervals in 2006. In
many of these intervals, the average total offers of committed fast-start units were lower than the
LMP. However, in 1.9 percent of all intervals, at least one fast-start unit had a higher average
total offer. In these intervals, the average total offer of the marginal fast-start unit (i.e. the last
fast-start unit deployed in merit order) was $127/MWh on average, while the LMP of the
marginal fast-start unit was $83/MWh on average. The average difference between the LMP and
the cost of the marginal deployment was $44/MWh in these intervals. Similar figures are shown

in the table above for units in import-constrained areas.

The fact that fast-start units are routinely committed and dispatched in merit order, but that the
underlying costs are not reflected in real-time prices, may lead to inefficient market incentives.
First, understated real-time prices will reduce the incentives to fully schedule load through the
day-ahead market because the day-ahead prices will tend to be higher than the real-time prices if
load is fully scheduled day ahead. The consequences of under-scheduling day ahead are that
fewer slow-starting units will be committed and the market will rely more heavily on fast-
starting resources in real time to meet the incremental load. This pattern reduces the overall

market efficiency and increases the uplift costs borne by market participants.

Second, it does not provide a correct signal to participants that may import or export power to or
from New England. The understated price in this case will lead to fewer net imports and
increase New England’s reliance on the fast-start resources. Finally, it diminishes the price
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signals that govern new investment in the long term. Hence, we recommend that the 1ISO
evaluate potential changes in the pricing methodology that would allow the deployment costs of
fast-start units to be more fully reflected in the real-time market prices. We recognize that the
potential complexity of such changes, which would likely not be feasible in the short term.

E. Commitment for Local Congestion and Reliability

In New England, there are several load pockets that import a significant portion of their total
consumption of electricity. In order to ensure that these areas can be served reliably, a specified
amount of capacity must be committed within the load pocket. Specifically, sufficient online
capacity is required to:

e Meet forecasted load in the load pockets without violating any first contingency

transmission limits (i.e., ensure the ISO can manage congestion on all of its transmission
interfaces).

e Ensure that reserves are sufficient in local constrained areas to respond to a second
contingency;

e Support the voltage of the transmission system in specific locations; and

e Manage constraints on the distribution system that are not modeled in the market
software (known as Special Constraint Resources (“SCRs”™)).

The New England market commits resources in the Day-Ahead market based on multi-part
offers. In order for a unit to be committed in the Day-Ahead market, demand bids from load
serving entities and virtual traders must express a willingness to pay enough for the energy from
the unit that it is economic to incur the start-up, no-load, and incremental offer of the unit.
However, demand bidders are not willing to pay substantially higher prices day-ahead than they
anticipate in the real-time market the following day. Thus, day-ahead market-based commitment
is strongly affected by expectations of real-time prices.

To meet local requirements, the ISO may need to commit generation with high commitment
costs. Once the commitment costs have been incurred, these generators may be inexpensive
providers of energy and reserves in the local area. Because these commitment costs are not
reflected in the market prices, the real-time LMPs frequently do not reflect the full value of on-

line and quick start capacity in local areas. As in any forward financial market, the day-ahead
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market prices tend to converge with the real-time prices. Hence, the day-ahead LMPs also do

not reflect the full value of on-line and quick start capacity in local areas.

These lower day-ahead market LMPs result in market-based commitments that generally are not
sufficient to meet local reliability requirements. The ISO has attempted to increase the extent to
which market-based commitments satisfy local reliability requirements by modeling a lower
transfer limit into the constrained area to reflect 2" contingency reliability requirements. This
lower limit is referred to as the “proxy 2" contingency limit”. Nonetheless, supplemental
commitments are still frequently needed to meet local requirements. Supplemental commitments
may occur in either the day-ahead market process or later in the Reliability Adequacy
Assessment (“RAA”) process. There are two ways in which supplemental commitments are
made:

e The commitment software recognizes a need for capacity (but not energy) in a local area

and commits the resources with the lowest commitment costs that satisfy the need.

e The operator recognizes a constraint that is not modeled in the software and manually
commits resources to manage the constraint. This may not be the lowest-cost method to
manage the constraint.

Although it is preferable for the commitment software to make supplemental commitments rather
than to do so manually, neither method adequately reflects the cost of maintaining reliability in
the LMPs. Furthermore, since these units must be dispatched at or above their economic
minimum generation level (“EcoMin”), these commitments generally reduce LMPs by
displacing energy that would have been produced by units committed through the market. Thus,
supplemental commitment tends to mute locational price signals associated with resolving

transmission congestion.

This section provides a detailed summary of supplemental commitment for local reliability. This
section also examines self scheduling behavior by market participants that can also have a
substantial effect on the LMPs.

1. Generation Committed for Local Needs

Supplemental commitment for local reliability increases the amount of online capacity in a load

pocket, and can diminish locational price signals. Hence, it is important to monitor the extent to
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which these actions occur and the locations where they occur. Figure 12 shows the average
amount of capacity committed to satisfy local requirements at the daily peak load in each zone in
New England during 2005 and 2006.12 The figure shows the entire capacity of these units,
although their impact on prices depends on the amounts of energy and reserves they provide to

the real-time market.

Figure 12: Commitment for Local Reliability by Zone
Daily Peak Hour, 2005-2006
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Note: Capacity committed day-ahead for voltage support that would have been economically
committed in the day-ahead market is excluded from the figure.

While in most areas supplemental commitments increased a small amount in 2006, supplemental
commitments increased substantially in Southeast Massachusetts and decreased dramatically in
Boston. Due to the substantial decrease of supplemental commitments in Boston, total
supplemental commitments declined almost 10 percent overall, from an average of 1,440 MW in
2005 to an average of 1,310 MW in 2006.

12 In accordance with its Tariff, the 1SO-NE classifies certain day-ahead commitments as Local 2™
Contingency commitments even though they occur as the result of market-based scheduling activity. Since
these are not out-of-market commitments, we exclude them from our analyses of supplemental
commitment in this section.
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In Southeast Massachusetts, supplemental commitment became more frequent due to changes in
fuel prices and offers by units needed to ensure local reliability in the Cape Cod area. Beginning
in 2006, the ISO is required to maintain sufficient reserves to respond to the two largest
contingencies in the area without relying upon load shedding in the Cape Cod area. Under the
new criteria, at least one of the units at the Canal plant is usually required to be online. This
reliability criterion did not substantially increase the commitment of these units because they
were previously often committed economically in the Day-Ahead market or committed for
voltage support. However, changes in fuel prices and offers caused these units to be
economically committed less frequently in the Day-Ahead market. Therefore, the units were
supplementally committed more frequently than in prior years and received higher NCPC

payments in 2006.

In Boston, supplemental commitment declined primarily due to a change in behavior by the
largest supplier. In 2005, the supplier usually raised its day-ahead offer prices above marginal
cost to avoid market-based commitment in the Day-Ahead market. This frequently required
ISO-NE to commit some of the supplier’s capacity for local reliability. In 2006, most of this
supplier’s capacity became covered by a reliability agreement with ISO-NE. The agreement
stipulated that the capacity be offered at marginal cost. As a result, these units were committed
in the Day-Ahead market more frequently, thereby reducing the need for supplemental
commitment in Boston. This behavior is discussed in greater detail later in this section.

Commitments in the Boston area for voltage support were much less frequent during 2006 than
previous years due to several initiatives that were carried out by the 1ISO and NSTAR during
2004 and 2005. These included:
e Working with the owners of Mystic 8 and Mystic 9 to increase their ability to produce
reactive power by a total of 100 MVar — Completed 4th quarter 2004;